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A B S T R A C T   

In this study, we investigate formation damage due to acidization and water injection tests into the naturally 
fractured carbonate Middle Duperow Formation at Kevin Dome, Montana, potentially diminishing the chance of 
a future successful Geological Carbon Sequestration (GCS) project. Multiple well-test analytical models, corre-
lated with core description and lithology data, are used to determine flow behavior and communication between 
the water injection interval and surrounding formations. An improved three-dimensional (3D) geologic model 
with dual-continuum matrix and fracture properties is constructed based on most recent seismic, core, and water 
sample measurements. Brine injection is simulated to verify the interpretation from the analytical models, fol-
lowed by CO2 injection simulation. Geochemical calculations are performed to understand the in-situ processes 
that led to formation damage. Our findings suggest: (1) there are two possible scenarios that could lead to a 
positive total effective skin factor and permeability decline: partial penetration and formation damage; (2) 
analytical models indicate a positive total skin factor, contradicting results of a previous study suggesting that the 
well was mildly stimulated; (3) numerical simulation supports the formation damage hypothesis by matching the 
pressure buildup observed during the latter two brine injection tests; (4) several mechanical and chemical 
processes may have occurred during injection to clog the matrix/fracture system: anhydrite fines migration and/ 
or calcite precipitation. We then make preventative suggestions for future GCS projects into carbonate reservoirs 
and remediation recommendations for GCS operation at the Kevin Dome.   

1. Introduction 

Deep saline aquifers have the potential to provide commercial-scale 
geological repositories for carbon dioxide (CO2) through either perma-
nent disposal to mitigate the impact of climate change (Nordbotten 
et al., 2005; Bachu, 2015; Ji and Zhu, 2015) or short-term storage for 
later industrial usage (Oldenburg, 2016; Oldenburg et al., 2019). Suc-
cess of GCS operations is strongly influenced by injectivity which is 
controlled by near-wellbore permeability that can be modified due to 

fluid operations and well workovers. While the petroleum industry 
employs enhanced recovery techniques (Fletcher et al., 1992; Dai, 2018; 
Yuan and Wood, 2018) such as pre-production matrix acidizing to 
improve injectivity (Thomas and Crowe, 1981; Bryant and Buller, 1990; 
Jaramillo et al., 2010), formation damage (i.e., reduction of 
near-wellbore permeability) can occur instead. At present, most GCS 
studies focus on formation damage associated with CO2 injection into 
reactive rocks such as carbonate reservoirs (Mohamed and Nasr-El-Din, 
2012; Jeddizahed and Rostami, 2016; Jin et al., 2016) and fines 
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migration during CO2 injection (Xie et al., 2017; Al-Yaseri et al., 2017; 
Othman et al., 2018). Little attention has been paid to pre-CO2-injection 
formation damage to injectivity and the prevention and/or remediation 
measures needed to improve the chance of a successful future GCS 
project. 

It is common to acidize clastic reservoirs to improve near-wellbore 
permeability and ultimately well performance. However, matrix acid 
treatment has been known to cause formation damage due to the 
migration of fine particles (Thomas and Crowe, 1981; Bryant and Buller, 
1990; Jaramillo et al., 2010). Sharma and Yortsos (1987) presented a 
model based on mass transfer to describe fines migration in porous 
media. Nasr-El-Din (2005) summarized and described the types of for-
mation damage as a result of common chemical treatment methods. In 
carbonate reservoirs, hydrochloric acid (HCl) has long been used to 
acidize the matrix and yet this process is not always straightforward as 
the reaction mechanism is not fully understood (Hendrickson et al., 
1992; Thomas and Nasr-El-Din, 2003). In addition to chemical pro-
cesses, mechanical entrainment is another potential mechanism of 
permeability reduction. Muecke (1979) described the effect of fluid flow 
on the transport of loose fine particles in porous media. Gruesbeck and 
Collins (1982) conducted controlled laboratory experiments to measure 
the critical fluid velocity above which migration of fine particles may 
occur. A critical velocity, on the order of 0.02 m/s, was reported, which 
is in the range of modest flow rates for most oil and gas wells. Rutqvist 
and Stephansson (2003) described gouge production from formation 
fracturing during high pressure injection. Therefore, injection tests can 
potentially lead to the entrainment of fine particles in the pore space of a 
target formation due to geochemical or mechanical processes. 

After acid treatment is performed, well testing is commonly 
employed to characterize the in-situ permeability near wells and in- 
between wells and has long been practiced (Earlougher, 1977; Lee, 
1982; Gringarten, 1984; Streltsova, 1987). In naturally fractured reser-
voirs, Barenblatt et al. (1960) proposed the concept of “double porosity” 
to describe flow interactions between fractures and matrices. Analyses 
of well tests in such systems assume either pseudo-steady-state (Warren 
and Root, 1963) or fully transient flow conditions (Kazemi, 1969; de 
Swaan, 1976). Later, Moench (1984) introduced “fracture skin” to 
describe the delay in the free exchange of fluid between matrix and 
fractures. His model predicted pressure responses similar to those esti-
mated with the assumption of pseudo-steady-state flow. In groundwater 
hydrology, Barker (1988) developed a generalized radial flow model to 
interpret hydraulic tests in fractured rock. In the context of CO2 
sequestration, while well testing is critical for determining formation 
permeability, except for a few large-scale storage projects (Nguyen et al., 
2017a, 2017b, 2017c; Iding and Ringrose, 2010; Onishi et al., 2019), 
well testing in naturally fractured saline aquifers is not routine. Previous 
studies have instead focused on well testing in naturally fractured hy-
drocarbon reservoirs for simultaneous enhanced oil recovery (EOR) and 
CO2 storage (Araujo et al., 1998; Trivedi and Babadagli, 2009; Spence 
et al., 2014). Although there may still be limitations in interpreting well 
test responses in dual-porosity systems (Wei et al., 1998; Corbett et al., 
2012; Morton et al., 2012; Egya et al., 2019), well testing remains the 
best approach to obtain a direct estimate of permeability in the 
near-wellbore and the inter-well regions. In particular, well tests can 
inform numerical flow models with which future CO2 injection behavior 
can be predicted. 

At the Kevin Dome proposed GCS site in Montana, the Big Sky Car-
bon Sequestration Partnership (BSCSP) initially intended to demonstrate 
that one million metric tonnes (MT) of CO2 could be safely sequestered 
in the Middle Duperow Formation for long-term storage (Stauffer et al., 
2013; Dai et al., 2014; Onishi et al., 2019; Nguyen et al., 2020). At Kevin 
Dome, the Middle Duperow Formation consists of Devonian carbonates 
(mixed dolostone and limestone) and spans an interval of approximately 
30 m. The formation fluid contains CO2 from legacy well tests conducted 
near the peak of the dome and low-salinity brine on the down dip side. 
As part of the BSCSP characterization effort at the site, a 3D seismic 

survey was carried out to delineate major reservoir intervals (Clochard 
et al., 2018). Two wells were drilled with one gas producer (Danielson 
33-17) completed on the gas cap of the Middle Duperow and one gas 
injector (Wallewein 22-1) completed on the brine leg, respectively 
(Fig. 1). To determine reservoir quality, a suite of core samples, log 
measurements (Big Sky Carbon Sequestration Partnership, 2014), and 
water samples (Test America and Big Sky Carbon Sequestration Part-
nership, 2015) were obtained at the wells. To improve near-wellbore 
permeability at Wallewein 22-1, the proposed CO2 injector, acid treat-
ment was first carried out using HCl. Prior to acidizing, baseline for-
mation water chemistry samples were not collected. After acid 
treatment, water samples were collected. However, they were outside 
the recommended holding period when arrived at the analysis facility, 
thus the samples might have been off-gassing since their collection. In 
March, 2015, three brine injection tests were carried out on Wallewein 
22-1 using 3% NaCl water. During the first injection test, fracture 
opening pressure was exceeded; during the second and third tests, 
downhole injection pressure was observed to be anomalously high, 
suggesting permeability reduction since the first injection test. After 
these tests, water samples were retrieved from the Middle Duperow 
Formation. When analyzed, these samples showed no significant change 
in pH compared to the pre-injection water sample analysis, i.e., the 
analysis conducted after the acid treatment. 

In this study, we present an integrated analysis of geologic (well logs, 
cores, seismic data), fluid flow (injection tests), and water geochemical 
data of the Kevin Dome site. We begin by re-interpreting the water in-
jection well test data of Wallewein 22-1 using analytical well test models 
correlated with core description and lithology to determine the flow 
behavior during injection and to look for evidence of communication 
between the injection interval and surrounding formations. We hy-
pothesize that formation damage due to the acidizing treatment on 
Wallewein 22-1 may have reduced the near-wellbore permeability, 
which will adversely impact future CO2 injectivity at this well. To test 
this hypothesis and validate the interpretation from the well test 
analytical models, we perform 3-D brine injection simulations using an 
improved dual-continuum flow model whose matrix and fracture 
properties are estimated based on the most recent characterization data 
collected at the site. By calibrating the formation properties near the 
wellbore to the injection tests, a revised permeability distribution 
around Wallewein 22-1 is developed to forecast the probability of CO2 
injection success and to make recommendations for future GCS opera-
tions. Finally, geochemical speciation calculations are carried out to 
identify the likely in-situ reaction processes contributing to the observed 
pressure buildup during water injection following the acidizing 
treatment. 

2. Site description and characterization data 

The Kevin Dome site, Montana, is a large structural culmination 
along the Sweetgrass Arch north of Great Falls, Montana (Fig. 1). It 
encompasses roughly 2000 square km in areal extent, while within its 
structure, a significant volume of rock, at depth from ~914 m (3000 ft) 
to 1372 m (4500 ft), has been tested by oil and gas exploration wells. 
This exploration effort has demonstrated that the dome contains sig-
nificant and producible quantities of natural CO2, which could provide a 
source for EOR operations on depleted oil fields in the region. Section 
2.1 will provide more information on the target Middle Duperow for-
mation as a candidate for long-term GCS. 

At this site, the Big Sky Carbon Sequestration Partnership (BSCSP) 
has carried out an extensive reservoir characterization study by gath-
ering well, core, seismic, geological, and operational data to assess its 
potential for CO2 storage (Nguyen et al., 2017c; Clochard et al., 2018; 
Onishi et al., 2019). Large pore volumes within these same geologic 
formations, which lie deeper in the dome, are not saturated with CO2, 
providing a potential reservoir for sequestering large quantities of CO2 
that can be captured at industrial sites and transported here. 

M.C. Nguyen et al.                                                                                                                                                                                                                              



International Journal of Greenhouse Gas Control 108 (2021) 103326

3

Fig. 1. (ABOVE) LOCATION MAP OF KEVIN DOME, MONTANA (AFTER Bowen et al., 2012). (BELOW) STRATIGRAPHY OF THE SUBSURFACE FORMATIONS AT 
THE PROPOSED CO2 INJECTION SITE IN KEVIN DOME (AFTER Onishi et al., 2019). 
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Accordingly, the Middle Duperow Formation was chosen as a potential 
CO2 injection reservoir. However, while the BSCSP’s characterization 
effort aimed to study and model the regional-scale Kevin Dome struc-
ture. In this work, we focus on data collected at and near the proposed 
CO2 injection site, i.e., the Wallewein 22-1 well. Our data include the 
well logs that were incorporated into a prior geologic model of the site 
(Zaluski, 2018), water injection pressure response data from the Middle 
Duperow Formation (Big Sky Carbon Sequestration Partnership, 2015), 
and water geochemical sample analyses from the same formation (Test 
America and Big Sky Carbon Sequestration Partnership, 2015). This 
study also updates the site-scale geologic model by incorporating the 
latest 3D seismic data (Clochard et al., 2018) that describe spatial het-
erogeneity in reservoir properties near the injection well. In section 2.2, 
relevant characterization data for this updated site-scale model are 
described in more detail. 

2.1. Reservoir geology 

At the Kevin Dome proposed injection site, the Middle Duperow 
Formation, which lies at depth between 1231 m and 1236 m (4040 and 
4704 ft), is a naturally fractured carbonate reservoir that is expected to 
have the capacity to store commercial quantities of CO2 (between 300 
and 740 MT) over an extended period of time (Bowen et al., 2012). 
Based on data collected from Danielson 33-17 (the proposed CO2 pro-
ducer) and Wallewein 22-1 (the target CO2 injection well), character-
ization at the site was initially carried out by Bowen et al. (2012) to 
understand the fracture network in this formation in relation to CO2 
sequestration potential. They found that the Duperow Formation (Fig. 1) 
predominantly consists of limestones and dolostones with anhydrite 
present in the upper part of the formation. Outcrop and core studies 
define these carbonates as open shelf deposits with periodic restriction 
of circulation allowing evaporite deposits to develop. The porosity in the 

Duperow Formation resulted from secondary dissolution of limestone 
and dolomite and have high permeability as evidenced by high flow 
rates of CO2 from associated tests. The primary seal is a series of inter-
bedded anhydrites and tight carbonates in the upper part of the 
Duperow and between the upper and lower porosity zones in the 
Duperow. Numerous secondary seals exist between the Duperow and the 
ground surface and have resulted in many oil and gas traps in shallower 
formations (Bowen et al., 2012). 

2.2. Characterization data 

2.2.1. Well data 
At the Wallewein 22-1 well, standard well log data of the Middle 

Duperow Formation were acquired, which include gamma ray, re-
sistivity, neutron, and density. To understand sedimentary bedding 
planes, associated facies, and fractures, Fullbore Micro-Imager (FMI) 
formation logs were acquired and interpreted. A Sonic Scanner acoustic 
scanning platform was run to understand the mechanical properties of 
the formation. Based on these logs, a series of well tops were picked to 
distinguish 7 intervals with high observed fracture density and thus 
potentially high injectivity into the formation (Fig. 2). From the bottom 
up: Intervals 1 and 2 make up Zone 1, Intervals 3 and 4 make up Zone 2, 
Interval 5 is considered Zone 3, Interval 6 is considered Zone 4, and 
Interval 7 is Zone 5. Brine injection tests take place in Zone 5 at the top of 
the completion interval. 

To prepare for CO2 injection, Wallewein 22-1 was cased and perfo-
rated at multiple depths along the target injection zone in the Middle 
Duperow Formation. During subsequent well completion, each of these 
perforated zones were acidized using a total 500 gal. of 15 % HCl. The 
goal of this matrix acidizing was intended to enhance near-wellbore 
permeability and subsequently the CO2 injectivity at the Wallewein 
22-1 injection well. After the acidizing treatment, three water injection 

Fig. 2. WELL COMPLETION AND INJECTION ZONE DIAGRAM OF WALLEWEIN 22-1 (ADAPTED FROM BIG SKY, 2015).  
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tests with 3% NaCl brine were carried out in this well from March 18 to 
March 27, 2015, at a depth interval of 1231− 1236 m (4040–4057 ft) 
corresponding to the topmost “Interval 7” or “Zone 5” (Fig. 2). Each 
water injection test took a day and the well was shut-in between the tests 
for flow to stabilize. During this time, pressure measuring gauges were 
set at 1225 m (4019 ft). The well test data, including bottom-hole 
pressure (BHP) and injection rate, have been analyzed analytically 
(Big Sky Carbon Sequestration Partnership, 2015) and numerically 
(Onishi et al., 2017). It is worth noting that during the first injection test, 
formation fracture opening pressure (FOP) of 317 bar (4600 psi) was 
exceeded, potentially inducing new fractures in the rock in addition to 
existing natural and drilling-induced fractures. 

From the Middle Duperow Formation, baseline water chemistry data 
were not collected before acid treatment because a thorough 
geochemical study to predict mineral precipitation potentially associ-
ated with matrix acidizing was not initially planned. After acid treat-
ment, two water samples (labeled 1 and 3 in Table 1) were taken from 
Zone 5 of the Wallewein 22-1 well on January 10, 2015. There are also 
fluid samples available from the Danielson 33-17 production well; 
however, in this study we are mainly interested in the near-wellbore 
permeability and potential mineral precipitation at the Wallewein 22- 
1 injection well. The fluid samples collected at the production well 
will be investigated in our future research using a subsurface reactive 
transport model. Laboratory analysis of the Wallewein 22-1 samples, 
summarized in Table 1, shows that their pH values vary from 7.25 to 7.5. 
Besides sodium, a relatively high calcium concentration is observed 
compared to other cations. However, these samples were outside of their 
recommended holding time when they arrived at the laboratory facility 
(Test America and Big Sky Carbon Sequestration Partnership, 2015) on 
March 20, 2015. If CO2 had off-gassed from the water samples since the 
collection time, the in-situ formation pH could have been lower than 
those reported here. Anion concentrations were measured using Ion 
Chromatography (IC) and cation concentrations through ICP-OES 
(Inductively Coupled Plasma – Optical Emission Spectrometry). Bicar-
bonate alkalinity as CaCO3 and pH were also measured. On October 27, 
2015, after the three brine injection tests, one water sample was 
collected. Chemical analyses for this post-injection sample were per-
formed by MSE Analytical Lab in Butte, MT within holding time. The pH 
value measured from this sample was 6.3, which is more acidic 
compared to the earlier samples. Again, following sodium, a large cal-
cium concentration was reported. The Wallewein 22-1 sample had a 
charge imbalance of 3.612 meq/kg which is relatively small and hence 
the sample is considered reliable. From Table 1, the Wallewein 22-1 
water samples also show low total dissolved solids (TDS of 11,000 and 
9000 mg/L respectively) even after the acid treatment, suggesting that 
the in-situ formation water likely had a low salinity, which is defined by 
the US Environmental Protection Agency as an Underground Source of 
Drinking Water (TDS of 10,000 mg/L or lower). 

From the Wallewein 22-1 well, a total of 43 core samples were taken 
from the Middle Duperow Formation and analyzed on September 13, 
2014. Core samples in the injection interval “Zone 5” suggested that the 
injection intervals are primarily made up of dolomite (gray) and anhy-
drite (white blobs) in Fig. 3. Predominantly vertical fractures were 
observed from the core samples. Porosity and permeability of selected 
core plugs were then measured to determine the range of these prop-
erties in the formation. In Zone 5, core analysis reports that porosity 
values range from 3.8–11.5% with a mean of 7.6 % while permeability is 
from 0.4–18.24mD averaging 5mD. Moreover, to understand reservoir 
properties away from the injection well, ELAN Elemental Analysis was 
completed on 35 wells in the region to acquire porosity, permeability, 
and lithology data at a larger scale (Zaluski, 2018). 

2.2.2. Seismic data 
We incorporate three-dimensional 9-component seismic survey data 

(Fig. 4), acquired by Montana State University (MSU) from January to 
March 2012 and processed by Vecta Oil and Gas, into an updated 

Table 1 
WALLEWEIN 22-1 WATER SAMPLE ANALYSIS ON JANUARY 10, 2015.  

(a) Wallewein Zone 5, Sample 1 

WALLEWEIN ZONE 5, SAMPLE 1 

Date Collected: 1/10/15 
13:50 

Client Sample ID: 6121560329 

Date Received: 3/20/15 
11:18 

Lab Sample ID: 600-108533-6 

Method: 300 - Anions, Ion 
Chromatography    

Analyte Result Unit Prepared Analyzed 
Chloride 2240 mg/L NA 3/30/15 

13:58 
Sulfate 2340 mg/L NA 3/30/15 

13:58 
Method: 6010C - Metals (ICP) 
Analyte Result Unit Prepared Analyzed 
Barium 0.018 mg/L 4/1/15 

8:42 
4/1/15 
16:27 

Calcium 880 mg/L 4/1/15 
8:42 

4/1/15 
16:27 

Iron 12.4 mg/L 4/1/15 
8:42 

4/1/15 
16:27 

Potassium 115 mg/L 4/1/15 
8:42 

4/1/15 
16:27 

Magnesium 314 mg/L 4/1/15 
8:42 

4/1/15 
16:27 

Sodium 1250 mg/L 4/1/15 
8:42 

4/1/15 
16:27 

Strontium 10.3 mg/L 4/1/15 
8:42 

4/1/15 
16:27 

General Chemistry     
Analyte Result Unit Prepared Analyzed 
Specific Gravity 0.999 g/mL NA 4/1/15 

11:00 
Bicarbonate Alkalinity as 

CaCO3 

1100 mg/L NA 4/2/15 
14:00 

Carbonate Alkalinity as 
CaCO3 

10 mg/L NA 4/2/15 
14:00 

Resistivity 1.31 ohm- 
m 

NA 4/1/15 
14:55 

Total Dissolved Solids 11,000 mg/L NA 3/31/15 
20:25 

pH 7.25 SU NA 4/1/15 9:20  

(b) Wallewein Zone 5, Sample 3. 

WALLEWEIN ZONE 5, SAMPLE 3 

Date Collected: 1/10/15 
13:54 

Client Sample ID: 6121560337 

Date Received: 3/20/15 
11:18 

Lab Sample ID: 600-108533-8 

Method: 300 - Anions, Ion Chromatography 
Analyte Results Unit Prepared Analyzed 
Chloride 1980 mg/L NA 3/30/15 

14:15 
Sulfate 2450 mg/L NA 3/30/15 

14:15 
Method: 6010C - Metals 

(ICP)     
Analyte Results Unit Prepared Analyzed 
Barium 0.036 mg/L 4/1/2015 4/1/2015 
Calcium 874 mg/L 4/1/2015 

8:42 
4/1/2015 
16:31 

Iron 4.5 mg/L 4/1/2015 
8:42 

4/1/2015 

Potassium 110 mg/L 4/1/2015 
8:42 

4/1/2015 
16:31 

Magnesium 304 mg/L 4/1/2015 
8:42 

4/1/2015 
16:31 

Sodium 1230 mg/L 4/1/2015 
8:42 

4/1/2015 
16:31 

Strontium 12.6 mg/L 4/1/2015 
8:42 

4/1/2015 
16:31 

General Chemistry     
Analyte Results Unit Prepared Analyzed 
Specific Gravity 1 g/mL NA 

(continued on next page) 
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geologic model created to provide the conditioning data for matrix and 
fracture modeling. For this modeling, the following data, provided by 
Vecta, are used: (1) Two-way-time (TWT) and true-vertical-depth (TVD) 
interpretation of the Bow Island, Swift, Potlatch, and Intermediate 
Duperow formations; (2) 3D TWT and TVD seismic volumes, of these 
same formations, in SGY format; (3) 3D TVD elastic attributes (P- 
impedance, S-impedance, and density). Seismic data incorporated into 
the new geologic model of this study were previously described (Onishi 
et al., 2019) with their inversion approach and interpretation reported 
in Clochard et al. (2018). 

3. Method 

This study employs analytical and numerical models as well as 
geochemical calculations to test the hypothesis that high injection rate 
and acid treatment may have damaged the injection formation. Well test 

Table 1 (continued ) 

(b) Wallewein Zone 5, Sample 3. 

WALLEWEIN ZONE 5, SAMPLE 3 

4/1/2015 
11:00 

Bicarbonate Alkalinity 
as CaCO3 

1090 mg/L NA 4/2/2015 
14:00 

Carbonate Alkalinity as 
CaCO3 

10 mg/L NA 4/2/2015 
14:00 

Resistivity 1.31 ohm- 
m 

NA 4/1/2015 
15:11 

Total Dissolved Solids 9200 mg/L NA 3/31/2015 
20:25 

pH 7.51 SU NA 4/1/2015 
9:20  

Fig. 3. WALLEWEIN 22-1 CORE SAMPLE ANALYSIS FROM 1232.611 (4044 FT) TO 1235.659 M (4054 FT), SHOWING EVIDENCE OF VERTICAL FRACTURES IN 
THE INJECTION TEST INTERVAL “ZONE 5”. 
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data are first interpreted using several analytical models to estimate 
near-wellbore permeability and skin factor, which are correlated to core 
analysis and operational data. Then a 3-D geological model is con-
structed using all relevant well and seismic data. After that, numerical 
injection simulations are performed using the geologic model to validate 
the well test analytical models. Geochemical calculations are performed 
on the analysis results of the pre-injection downhole water samples to 
understand the mechanism that may have caused wellbore damage. 

3.1. Analytical well test analysis 

Because brine was injected into the fractured Middle Duperow For-
mation, a deep saline aquifer, the injection test is interpreted using 
several alternative analytical solutions assuming single-phase flow in a 
dual-porosity system exhibiting different fracture network geometries. 
The input parameters used for this interpretation are listed in Table 2 
(Onishi et al., 2019) and the parameters determined by the analytical 
model fits are an effective lateral permeability and skin factor. The in-
jection well is assumed to lie at the center of the model area while the 

analytical model boundary is assumed to be infinite. Based on seismic 
data, the Middle Duperow is laterally extensive with no known faults in 
the study area. In implementing the analytical solutions, we focus on 
analyzing the stabilized shut-in period after the third injection test to 
ensure reliable interpretation (Fig. 2). To test our hypothesis, we 
examine the goodness-of-fit of each analytical model against the well 
test data. At very early times, the cylindrical source solution is used, 
which is followed by Green’s function solutions (Gringarten and Ramey, 
1973). 

3.1.1. Full versus partial penetration 
A dual porosity model is fitted to the well test data assuming pseudo- 

steady state (PSS) interporosity flow in a homogeneous rectangular- 
shaped reservoir (Warren and Root, 1963). Due to uncertainty in the 
vertical and lateral extent of vertical fractures in the Middle Duperow 
(Fig. 3), which cannot be fully investigated using core observation at 
only one well, we implement a 2-step sensitivity analysis: (1) A full 
penetration model is tested first, which simulates the pressure response 
in a radial flow system with the assumption that vertical fractures do not 
extend beyond the injection test interval thickness and (2) we then test a 
partial penetration model which assumes that vertical fractures in “Zone 
5” are not implicit and go further than the interval thickness, creating a 
spherical flow scenario. These are important considerations since all 
three brine injection tests occurred at the topmost perforation (“Zone 
5”), while Wallewein 22-1 was cased throughout the rest of the forma-
tion (Fig. 2). Shape factor is incorporated in this model through the 
interporosity coefficient Lambda (λ) (Gringarten, 1984). In this model, 
the interporosity flow is assumed to be PSS and hence the geometry of 
the matrix blocks is not considered. 

Fig. 4. SEISMIC SURVEY RECORDED DURING PHASE III OF THE KEVIN DOME CO2 STORAGE PROJECT. BLACK DOTS INDICATE WELL LOCATIONS (ADAPTED 
FROM Clochard et al., 2018). 

Table 2 
WELL TEST MODEL INPUT PARAMETERS.  

Parameter Value 

Formation salinity 10,000 ppm 
Formation compressibility 4.4E-5 1/bar (3E-6 1/psi) 
Total compressibility 7.3E-5 1/bar (5E-6 1/psi) 
Thickness of the injection interval, h 5 m (17 ft) 
Storativity ratio for brine injection, Omega ω 0.001 
Interporosity coefficient, Lambda λ 3E-4  
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3.1.2. Advanced dual porosity model 
The advantage of this model is that it allows the investigation of both 

PSS and transient flow regimes assuming different fracture system ge-
ometries including slabs, cubes, and sticks (Warren and Root, 1963; 
Kazemi, 1969; March et al., 2018). Fluid flow pressure in a dual porosity 
system can be derived from solving the diffusivity equations (Dejam and 
Hassanzadeh, 2018), which leads to a transfer function that describes 
flow between matrix and fracture systems (Rostami et al., 2020). The 
geometries of matrix and fracture blocks play a key role in determining 
the shape factor in this transfer function. Deriving shape factors in the 
transfer function remains a challenge (Rostami et al., 2020), therefore 
the fracture system geometry is often used as a sensitivity parameter 
with which the transfer shape factor is calibrated. In this advanced 
model, we only consider full penetration since the case with partial 
penetration in a dual porosity system can be investigated with the reg-
ular model (section 3.1.1.) and the interporosity flow regime can be 
determined from the log of pressure derivative versus log of time irre-
spective of well penetration (Gringarten, 1987). We also calculate root 
mean square (RMS) errors to determine the fitness of each model to our 
pressure data. 

3.1.3. Testing the negative skin scenario 
To test the positive skin factor finding in our study, we re-run our 

analytical model of section 3.1.2 adopting a negative total skin factor 
(-1.3) finding from a previous analysis (Big Sky Carbon Sequestration 
Partnership, 2015) which suggested Wallewein 22-1 was mildly stimu-
lated. Throughout our matching process of this test, a negative total skin 
factor of -1.3 is assumed following the value adopted from Big Sky 
Carbon Sequestration Partnership (2015) while other sensitivity pa-
rameters (ω, λ, and effective permeability) of our analytical models are 
calibrated to fit the measured pressure data. It is important to qualita-
tively determine the outcome of acid treatment and injection tests to 
contribute to an injection well completion strategy for future GCS pro-
jects in similar carbonate formations. 

3.2. Numerical modeling/simulation 

In this work, we incorporate data analysis from seismic, geology, 
lithology, cores, logs, and well tests to construct a dual-porosity dual- 
permeability numerical simulation model of the Middle Duperow and 
overlying formations. Part of the model building procedure is described 
in Nguyen et al. (2018) and Zaluski (2018), where facies modeling was 
used to characterize reservoir properties in the matrix system and 
seismic, core, and well log data interpretation helped build the discrete 
fracture network model. In the following, we describe the additional 
steps to create the dual-porosity dual-permeability model. 

3.2.1. Geological modeling 
The following steps describe the overall workflow used to generate 

the matrix property model. More details on the modeling process are 
available in Zaluski (2018) and not included here for brevity and 
simplicity. A 3-rock-type (Dolomite, Limestone, and Anhydrite) facies 
log representing facies types was generated at the Danielson 33-17 and 
Wallewein 22-1 wells. There are a total of 8 wells available within the 
seismic survey domain; however, not all of these wells penetrated the 
Middle Duperow formation. These limitations mean that the spatial 
variogram function has high uncertainty, making interpolation of 
porosity and permeability less reliable. The geostatistical analysis of our 
study has improved upon that of Onishi et al. (2019) because we 
incorporated 3D seismic attributes (P-impedance, S-impedance, and 
density) made available from the 3D seismic survey. Our variogram 
analysis was conducted using the 3D seismic P-Impedance, which was 
upscaled into the model grid. The relationship of elastic properties 
(P-impedance, S-impedance, and density) between the seismic data and 
the well logs was used to predict the 3-rock facies types in the interwell 
space using a Bayesian estimator. This was then used to generate a facies 

model (Fig. 5) in the model domain with a 3-Rock-Type facies classifi-
cation (dolomite, limestone and anhydrite) created from well logs using 
an unsupervised neural net process. Fig. 5 illustrates a cross section 
between the Danielson 33-17 production well on the updip side (left) 
and Wallewein 22-1 injection well on the downdip side (right). The cross 
section vertical exaggeration is 15 times. The target Middle Duperow 
formation top is marked in red at both wells. Dolomite is colored in gray 
and makes up most of the Middle Duperow formation. Limestone is 
colored in teal and is more prevalent toward the bottom of the strati-
graphic column. Anhydrite is colored in purple and is present in the 
Middle Duperow both in the facies model and the core description 
(Fig. 3). 

3D seismic attributes consisting of P-impedance, S-impedance, and 
density were populated into the grid. Variogram analysis was completed 
on the P-Impedance property. A variogram is a primary parameter used 
in geostatistical property modeling to describe correlated variations in 
the property. Using geostatistics from the variogram analysis, Gaussian 
Random Function Simulation (GRFS) was used to interpolate effective 
porosity for grid cells within each of the 3 dominant rock types from the 
facies model as well as to interpolate permeability co-krigged to the 
effective porosity (Zaluski, 2018). 

In addition to the matrix porosity and permeability, a significant 
amount of fracturing was observed in the cores and Fullbore Formation 
Imager (FMI) logs and these fractures contribute to secondary fracture 
porosity and fracture permeability. There were potential induced frac-
tures created by the drilling operations and the first brine injection test 
during which a FOP of 317 bar was exceeded (Big Sky Carbon Seques-
tration Partnership, 2015). However, information on this type of frac-
tures is uncertain and incomplete. In this study, we thus focus on the 
natural discrete fracture network using observed data from core samples 
and FMI logs. To represent these natural fractures, a discrete fracture 
network (DFN) was developed in the geomodel. This DFN model 
incorporated available data from FMI logs and core slab viewing to 
represent the Potlatch, Nisku and Upper Duperow, Middle Duperow, 
Middle Duperow_B, and Intermediate Duperow formations. The FMI 
data provide detailed information about fractures at the wellbore but 
nothing in the inter-well space. To resolve this, a fracture driver was 
needed to guide the P32 (P32 log is fracture area per volume) fracture 
intensity property interpolation. Volume attributes were extracted from 
the 3D TVD seismic data and used in a neuralnet process supervised to 
the P32 fracture intensity at the wells. This supervised process attemp-
ted to find a correlation between the seismic attributes and the fracture 
intensity of the P32 well log. The neuralnet process included the 
following seismic attributes: Density, S-Impedance, P-Impedance, Ant 
Tracking, Variance, Chaos, Gradient, Frequency, Curvature, Sweetness, 
3D edge Enhancement, and Brittleness index. More details explaining 
this process are available in Zaluski (2018). 

The DFN model was then calculated from many fracture attributes 
derived from well data and seismic attributes (aperture, intensity 
interpolation, length, height, orientation, and concentration) and 
generated both a discrete and implicit fracture network (Painter and 
Cvetkovic, 2005; McClure and Horne, 2013; Zeng and Yao, 2016). 
Discrete fractures are greater than 76.2 m (250 ft) and individually 
represented as a plane in the model. Implicit fractures less than 76.2 m 
(250 ft) are too numerous to be modeled as individual planes; therefore, 
they were generated as a model grid property. These two fracture net-
works were then upscaled into the model grid (Zaluski, 2018) as 
described in Fig. 6, to provide fracture porosity, permeability and a 
Fracture Matrix Coupling for each model cell.1 

3.2.2. Reservoir simulation 
The dual-permeability dual-porosity numerical simulation model is 

1 “Flow in fractured porous media: A review of conceptual ….” 15 May. 2018, 
https://arxiv.org/pdf/1805.05701. Accessed 3 Jun. 2020. 
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built upon the latest geologic model (Zaluski, 2018) of the Middle 
Duperow formation, where matrix and fracture properties were gener-
ated based on an improved understanding of the facies and fracture 
spatial distribution. In this study, reservoir properties of the 
dual-permeability dual-porosity simulation model were upscaled from 
this geologic model to reflect the subsurface heterogeneity that had not 
been incorporated in previous models (Zhou, 2013; Dai et al., 2014; 
Onishi et al., 2019). We carry out a mesh optimization study to 

determine the optimal resolution between the spacing and convergence 
criteria. The mesh optimization was carried out to achieve performance 
consistency and numerical convergence. We extract a sector model from 
the bigger and more detailed (non-upscaled) geologic model and 
benchmark its injection pressure performance with multiple variably 
coarsened reservoir simulation grids. The one that can best reproduce 
the injection pressure data while minimizing numerical convergence 
problems is selected in our study. As a result, the simulation model 

Fig. 5. 3-ROCK-TYPE INTERPOLATION OF ROCK TYPE (DOLOMITE, LIMESTONE AND ANHYDRITE). CROSS SECTION VIEW FROM EAST. (ADAPTED FROM 
ZALUSKI, 2018). 

Fig. 6. FRACTURE PROPERTY MODELING WORKFLOW INCLUDING FRACTURE INPUT PARAMETERS, FRACTURE NETWORK, AND FRACTURE UPSCALING 
(ADAPTED FROM ZALUSKI, 2018). 
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domain is discretized with 10 × 10 (km) with 49 × 49 × 49 grid cells. 
According to Onishi et al. (2019), the radius of investigation over a 
simulation period of 104 years (4 years of injection and 100 years of 
monitoring) is approximately 1300 m and is significantly less than the 
distance from the injection well to the model boundary (roughly 5 km). 
The model top layer is the sealing Upper Duperow Formation and the 
rest (48 layers) is the Middle Duperow Formation. This is intended to 
preserve the vertical resolution of the geologic model and present a more 
realistic representation of flow pathways. 

Numerical simulations of CO2 injection into the Middle Duperow 
brine aquifer are performed using ECLIPSE Compositional (E300) 
reservoir simulator using the CO2STORE option for GCS. The CO2ST-
ORE facility in the ECLIPSE compositional simulator is used to model 
fluid flows at the reservoir scale. Its limitation is that it cannot take into 
account potential mineral precipitation likely caused by matrix acidiz-
ing in the Wallewein 22-1 injection well. CO2STORE can only simulate 
the relationship between permeability and pressure response during 
brine injection tests. During our study, we calibrate the near-wellbore 
permeability from our dual-continuum reservoir model to match the 
observed BHP for each injection test. The calibrated permeability cannot 
be explained by CO2STORE and hence we perform the geochemical 
analysis in Section 3.3 to investigate possible causes of this observed 
permeability reduction. This process is implemented to analyze the 
available formation water samples at the lab scale. 

The reservoir numerical simulations are carried out to (1) validate 
the well test analytical solution results and (2) evaluate hypothetical 
CO2 injection performance. Input parameters are those used in the base 
case of Onishi et al. (2019). The relative permeability models based on 
Corey’s correlation (Corey, 1954) with input parameters are shown in 
Table 3. The relative permeability parameters come from Zhou (2013) 
based on regional analog data. These parameters are included in the 
Latin Hypercube Sampling (LHS) process to evaluate uncertainty. 

The capillary pressure is calculated from the van Genuchten model 
(van Genuchten, 1980) with input parameters listed in Table 4, 
following Zhou (2013) 

For both brine injection and hypothetical CO2 injection simulations, 
the model is initialized as an aquifer saturated with brine. One injection 
well is located at the center of the simulation domain and is assumed to 
be connected to “Zone 5” (1231–1236 m) during brine injection well 
tests and to the entire Middle Duperow reservoir thickness during hy-
pothetical full scale CO2 injection. No-flow boundaries are specified at 
both the top (top of Zone 5 in Fig. 2) and bottom (below Zone 1 in Fig. 2) 
boundaries of the Middle Duperow formation. Vertical flow communi-
cation is allowed within the target Middle Duperow injection reservoir. 
Initial temperature and pressure are set at 34.4 ◦C and 10.0 MPa, 
respectively, at the top of the injection zone (Zhou, 2013) based on the 

geothermal gradient and hydrostatic pressure gradient. The initial 
condition implies that injected CO2 will be in a supercritical state in the 
reservoir. The brine injection tests last for 8 days (including the stabi-
lizing period) while the hypothetical CO2 injection period lasts for 4 
years. The injection well Wallewein 22-1 is open to the whole thickness 
of the Duperow formation. 

Next, 50 Latin Hypecube Sampling (LHS) reservoir simulations are 
carried out based on a similar study in Onishi et al. (2019) to determine 
if the Duperow Formation would be able to store 1.0 MT over 4 years as 
indicated by the project objective. There are 6 control parameters in the 
Latin Hypercube sampling process including fracture permeability, 
end-point CO2 relative permeability, hysteresis of CO2 relative perme-
ability, capillary pressure, and permeability of confining rocks, follow 
those of Onishi et al. (2019) for comparison purposes (Table 5). In 
Table 5, KR0CO2 represents end-point CO2 relative permeability, Land 
Coefficient is for the Land hysteresis model (Land, 1968), P0F and P0M 
are the Strength Coefficients for the van Genuchten capillary pressure 
model in fracture and matrix respectively, Kf is fracture permeability, 
and Kcaprock is permeability of the caprock. 

3.3. Geochemical calculation 

Chemical analyses are completed on pre- and post-injection water 
samples. Data from one set of pre-injection water samples is available to 
be used for calculations, however the water was collected after the wells 
had been acidified. This suggests that the water samples could not be 
trusted to represent a true baseline for the aquifer. One post-injection 
sample is available to be used for calculations from Wallewein 22-1. 
Geochemical calculations to determine possible mineral precipitation 
have been completed using the Geochemist’s Spreadsheet (GSS) Module 
in Geochemist’s Workbench (GWB) version 12.0 (Bethke et al., 2020). 
The most relevant thermodynamic database, thermo.tdat, is used for the 
calculations. 

4. Results and discussion 

This study conducts analytical well test analysis, numerical 
modeling, and geochemical calculation to gain insights into reservoir 
property change and dynamics. Well test analysis performed on the third 
brine injection test suggests that the injection interval may be isolated 
from the fracture network with a positive skin factor indicating potential 
formation damage. Constrained by results of the well test analysis, a 
numerical model is built and shows that the observed BHP behavior may 
correlate to changing permeability over time. Geochemical calculation 
on water chemistry samples of the Wallewein 22-1 and analogous wells 
suggests that chemical clogging, likely due to calcite precipitation, has 
likely occurred as a result of brine injection. 

4.1. Analytical well test interpretation 

We focus on analyzing the stabilized shut-in period after the third 
injection test to ensure reliable interpretation of the well test data. First, 
we compare the flow interpretation results between a full penetration 
model and a partial penetration model. Then we consider advanced 
dual-porosity model assumptions to include the effects of flow interac-
tion between matrix/fracture systems. Finally, we test the negative total 

Table 3 
INPUT PARAMETERS FOR RELATIVE PERMEABILITY MODEL (AFTER ZHOU, 
2013).  

FRACTURE  
Parameter Value 

End-point CO2 relative permeability, kr,CO20 (-) 0.5 
End-point brine relative permeability, kr,brine0 (-) 0.15 
Irreducible CO2 saturation, SCO2,ir (-) 0.10 
Irreducible brine saturation, Sbrine,ir (-) 0.30 
Exponent for CO2 relative permeability, m (-) 0.20 
Exponent for CO2 relative permeability, n (-) 5.0  

MATRIX  
Parameter Value 
End-point CO2 relative permeability, kr,CO20 (-) 0.30 
End-point brine relative permeability, kr,brine0 (-) 0.05 
Irreducible CO2 saturation, SCO2,ir (-) 0.25 
Irreducible brine saturation, Sbrine,ir (-) 0.30 
Exponent for CO2 relative permeability, m (-) 2.0 
Exponent for CO2 relative permeability, n (-) 5.0  

Table 4 
INPUT PARAMETERS FOR THE VAN GENUCHTEN CAPILLARY 
PRESSURE MODEL (AFTER ZHOU, 2013).  

Parameter Value 

Strength coefficient, P0 (bar) 0.30 
Exponent, λ (-) 0.457 
Irreducible brine saturation, Sbrine,ir (-) 0.30 
Maximum capillary pressure (bar) 5.0  
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skin factor from Big Sky (2015) using our advanced dual-porosity model 
to verify whether the formation was damaged during the brine injection 
tests. The effect of changing wellbore storage is found negligible and 
hence is not presented here. 

4.1.1. Full versus partial penetration 
Results show that both the full penetration model with radial flow 

and partial penetration model due to perforation provide a reasonable 
match for type curves (Fig. 7a, c) and pressure history (Fig. 9b, d). The 
Fig. 7a has an RMS error of 6.5 % while the Fig. 7c has an error of 20 %. 
These two scenarios arrive at the same findings that there is a positive 
total skin factor and potential permeability decline at the Wallewein 22- 
1 injection well. 

The full penetration model finds that if assuming flow is radial, the 
total effective skin factor (s’) would be equal to skin due to damage (sd): 
s’ = sd = 6 (Fig. 7a). This assumption is reasonable with the geology of 
this study area and based on core observation (Fig. 3). The core 
description suggests that vertical fractures in the injection interval are 
implicit (much smaller than “Zone 5” thickness) and hence, it is likely 

that flow is mainly confined in the horizontal direction from Wallewein 
22-1. The full penetration model suggests an effective permeability of 
26.65 mD. 

Meanwhile, the partial penetration model suggests that the total 
effective skin factor s’ is positive due to the effect of partial penetration: 
s’ = h

hp
sd + spp = 45.72

5.182 ( − 2) + 25.603 = 7.956 (Fig. 7c) where h is the 
total thickness of the injection interval, hp is the thickness of the 
perforation interval, and spp is the skin due to partial penetration. The 
reservoir might be slightly stimulated due to acid treatment, yet the 
effect of partial penetration appears to lead to a positive s’. This is based 
on the fact that the perforation interval “Zone 5” only occupies 5.182 m 
out of the 45.72 m thickness of the Middle Duperow formation. This 
positive total skin factor (s’) contradicts results from a previous study 
(Big Sky Carbon Sequestration Partnership, 2015) that suggested a 
negative total effective skin factor of -1.3. Also our partial penetration 
model results in an effective permeability of 3.95 mD while Big Sky 
(2015) interpreted it to be 18.9 mD. 

Moreover, neither of our two models presented in Fig. 7 have satis-
factorily matched the observed pressure behavior with the first and 
second injection tests (Fig. 7b, d). This is understandable because 
analytical well test models result in an effective horizontal permeability 
value that accounts for both the matrix and fracture systems. This 
effective permeability comes from the third injection test and does not 
represent the first and second tests. The BHP pressure behavior match 
will be discussed in greater details in the numerical simulation section 
4.2. 

4.1.2. Advanced dual porosity model 
Using this advanced model, we examine the matrix/fracture systems 

in greater detail than the previous full penetration models (Section 
4.1.1.) by allowing the assumptions of PSS and various matrix/fracture 
block geometries (Slabs, Sticks and Cubes) (Section 3.1.2.) for inter-
porosity flow. The results (Fig. 8a, b, d) largely show a match between 
the pressure derivative data and pressure derivative model during the 
stabilized period when a value of positive skin is applied, supporting our 
hypothesis that the formation may have been damaged during brine 
injection. For all cases in Fig. 8, a skin value of 6 is applied, which gives a 
reasonable fit between the data and model (except Fig. 8c). For Fig. 8a, 
b, c, and d, the RMS errors are 3.9 %, 4%, 14 %, and 4% respectively. 
The RMS error and visual inspection of Fig. 8c suggest that the cubes 
model may not be a good fit for the pressure data. Since the log of 
pressure derivative does not display a steep curve during the transition 
period, it is likely that the interporosity flow is unrestricted (transient) 
(Gringarten, 1987) and the shape of the matrix blocks can be considered, 
eliminating the PSS model. Fig. 8b and d show agreement with flow in 
one direction, whether horizontal or vertical, while the Cubes model 
(Fig. 8c) suggests flow may not be going in both vertical and horizontal 
directions. Based on Fig. 8d and d, it is not clear whether the shape of the 
matrix blocks is slabs or sticks. Given that we have vertical fractures 
(Fig. 3), it is likely that the shape is sticks. We then compare the results 
of this section (positive skin) with using a negative skin factor for the 
Advanced Model in the next section 4.1.3. 

4.1.3. Testing negative skin scenario 
Next, Fig. 9 shows that a negative total skin (-1.3) applied to the 

Advanced Model (Section 4.1.2.) produces a poorer match between the 
pressure derivative data and pressure derivative model during the sta-
bilized period across different fracture/matrix geometry models (Fig. 9) 
than those in Fig. 8. This is determined by looking at the RMS errors of 
the PSS, Slabs, Cubes, and Sticks models in Fig. 9 (6.3 %, 7.7 %, 7.9 %, 
and 7.8 % respectively) compared to those in Fig. 8 (3.9 %, 4%, 14 %, 
and 4%). There is an exception with the Cubes model (Fig. 7c) which has 
a lower RMS error than its counterpart (Fig. 8c), although both do not 
represent the trend of our data by visual inspection. Likewise, the other 
models (Fig. 9a, b, d) fail to represent our data trend in addition to 

Table 5 
LHS PARAMETER MULTIPLIERS.  

Case KR0CO2 Land 
Coefficient 

P0F P0M Kf 

Multiplier 
Kcaprock 

Multiplier 

1 0.549 2.202 0.326 0.214 0.706 0.231 
2 0.336 1.142 0.233 0.256 0.797 0.885 
3 0.677 4.9 0.387 0.204 1.206 − 1.615 
4 0.646 3.307 0.302 0.351 1.458 1.579 
5 0.543 1.421 0.396 0.259 1.198 1.696 
6 0.381 0.724 0.291 0.392 1.107 0.521 
7 0.397 2.533 0.229 0.243 1.413 1.138 
8 0.308 0.248 0.267 0.252 1.067 0.448 
9 0.7 1.973 0.296 0.386 1.585 1.418 
10 0.669 3.229 0.244 0.245 0.988 − 1.043 
11 0.607 2.108 0.28 0.305 1.285 − 0.134 
12 0.316 3.033 0.214 0.312 1.095 − 0.754 
13 0.56 4.054 0.373 0.396 1.145 − 1.796 
14 0.44 1.556 0.364 0.297 1.321 0.991 
15 0.478 3.918 0.275 0.368 0.863 0.315 
16 0.57 1.812 0.362 0.27 0.978 − 0.585 
17 0.472 1.874 0.31 0.364 0.893 1.858 
18 0.421 3.787 0.205 0.273 1.273 − 1.336 
19 0.503 2.944 0.249 0.323 1.306 − 0.41 
20 0.389 4.788 0.288 0.383 0.808 1.11 
21 0.326 4.429 0.347 0.377 1.604 − 0.327 
22 0.367 0.576 0.319 0.348 1.433 − 0.801 
23 0.354 1.534 0.228 0.32 1.496 − 0.994 
24 0.495 0.954 0.238 0.225 0.938 1.788 
25 0.531 1.72 0.371 0.338 1.545 0.742 
26 0.535 2.828 0.359 0.334 1.136 − 1.882 
27 0.487 4.561 0.391 0.341 1.472 − 0.649 
28 0.598 3.747 0.26 0.325 1.349 0.669 
29 0.661 2.319 0.353 0.261 1.235 − 1.45 
30 0.444 0.322 0.222 0.239 0.947 0.869 
31 0.51 3.489 0.348 0.301 1.39 0.392 
32 0.463 1.058 0.324 0.286 0.917 − 0.251 
33 0.373 0.597 0.201 0.314 0.684 0.627 
34 0.575 3.566 0.293 0.22 0.838 − 1.936 
35 0.66 1.257 0.218 0.353 0.854 1.255 
36 0.347 3.094 0.315 0.399 1.035 − 1.545 
37 0.429 3.389 0.306 0.33 0.769 1.503 
38 0.632 4.279 0.247 0.293 1.258 0.06 
39 0.517 2.775 0.259 0.224 0.672 − 1.271 
40 0.642 1.218 0.339 0.231 1.538 − 0.536 
41 0.408 4.219 0.332 0.374 1.018 1.956 
42 0.623 4.037 0.4 0.234 0.724 − 1.375 
43 0.62 4.334 0.379 0.208 1.574 − 1.137 
44 0.687 4.971 0.344 0.265 1.168 1.674 
45 0.457 0.46 0.254 0.281 1.361 − 0.073 
46 0.42 2.664 0.332 0.368 1.651 1.303 
47 0.592 2.267 0.276 0.28 0.746 − 1.725 
48 0.586 2.442 0.271 0.292 1.625 0.135 
49 0.363 4.71 0.384 0.201 1.051 − 0.173 
50 0.306 0.791 0.211 0.356 1.507 − 0.93  
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Fig. 7. (A)(B) FULL PENETRATION VERSUS (C)(D) PARTIAL PENETRATION.  
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Fig. 8. ADVANCED WELL TEST ANALYTICAL MODELS.  
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having a higher RMS error. This suggests that despite pre-injection acid 
treatment and surpassing the FOP during the first injection, near well-
bore permeability might not be increased as expected. These results 
contradict a previous report that the injection interval was slightly 
stimulated after acid treatment leading to a positive total skin factor (Big 

Sky Carbon Sequestration Partnership, 2015). When permeability is 
calibrated to match the type curve given a negative total skin factor, it 
generates values that are significantly outside the range of permeability 
observed from core measurements. What we find here is in line with 
reservoir numerical simulation results (Section 4.2.) which indicate that 

Fig. 9. ADVANCED WELL TEST ANALYTICAL MODELS WITH A NEGATIVE TOTAL SKIN.  
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near wellbore permeability might be decreasing over the course of in-
jection tests. 

4.2. Numerical simulation 

Using a heterogeneous model to perform injection simulations, we 
expect to see a stronger scaling and near wellbore permeability effect 
compared to the homogeneous analytical well test models. Permeability 
reduction is related to a positive total skin factor interpreted from well 
test analytical analysis. This simulation exercise allows us to gain a 
better understanding of what changes in reservoir properties are 
necessary to create the observed pressure response. 

In simulation scenarios where the near-wellbore horizontal perme-
ability (kw

h ) remains constant and there is no formation damage, BHP 
build-up during the second and third injection tests is similar. However, 
with a constant kw

h , there is obvious discrepancy in the simulated pres-
sure response (green solid curve) and actual pressure behavior (red dot) 
during injection (Fig. 10). Fig. 10 shows the simulated pressure 
matching the first injection period is in good agreement with the pres-
sure response during the first injection period. However, during the 
second and third tests observed pressure buildup is higher than the 
simulated pressure assuming a constant permeability. This suggests a 
change in near wellbore permeability. 

Next, we consider simulation results that consist of changing kw
h over 

time. Simulation results (orange and blue lines) show that permeability 
reduction (i.e., positive skin factor) during the injection tests can explain 
the observed pressure response: A reduced permeability (compared to 
the first test) applied to the second injection test (orange solid line) has 
produced an improved fit to the observed pressure response during this 
test. Similarly, the third simulated injection test requires an even lower 
kw

h value (compared to the second test) to fit the observed higher pres-
sure buildup. It appears that skin factor and permeability have changed 
over time during each injection test. In Section 4.4., we will explore 
several potential geochemical and mechanical processes that can 
potentially cause near wellbore damage. 

Based on the formation damage observed during the second and 
third brine injection tests, kw

h has been adjusted accordingly in a hypo-
thetical CO2 injection model (Ding et al., 2004). Our simulation results 
(Fig. 11) suggest that there is a lower probability of successfully 
injecting 1.0 MT of CO2 into the Middle Duperow formation over 4 years 
compared to Onishi et al. (2019). Fig. 11 includes P90, P50, and P10 
values from 50 LHS reservoir simulations as solid lines (Blue, Red, and 
Black) and 3 comparable cases from Onishi et al. (2019) as dashed lines 
(P90, P50, and P10). The results of our study (solid lines) demonstrate a 

significantly lower potential amount of total CO2 injection into the 
Middle Duperow formation over 4 years compared to Onishi et al. 
(2019). This is likely because Onishi et al. (2019) used the fracture and 
matrix permeability range from regional parameter estimates in previ-
ous studies (Dai et al., 2014; Zhou, 2013) while we build our reservoir 
property model based on log and core measurements at Wallewein 22-1 
(Zaluski, 2018). For instance, the fracture permeability values in Onishi 
et al. (2019) have a minimum of 0.03 mD, a maximum of 253.6 mD, and 
a mean of 44.8 mD. Meanwhile, our facture permeability values have a 
minimum of 1.6E-25 mD, a maximum of 113.32 mD, and a mean of 3.38 
mD. The upscaled effective near wellbore permeability after model 
calibration is 4.23 mD compared to the interpreted effective perme-
ability of 3.95 mD from analytical well test. The only major difference 
between our study and Onishi et al. (2019) is matrix and fracture 
permeability values whereas other sensitivity parameters remain the 
same to make the two comparable. Dai et al. (2014) predicted that the 
maximum amount of CO2 mass that could be injected into the Middle 
Duperow to be roughly 5.0 MT while Onishi et al. (2019) suggested this 
amount would be around 1.2 MT. Our simulation results find that the 
maximum amount of CO2 mass injection is approximately 0.05 MT. This 
study develops the latest and most detailed heterogeneous geologic 
model with seismic-constrained reservoir properties further away from 
the injection well Wallewein 22-1 to reduce model uncertainty. In 
particular, our matrix porosity and permeability models are populated 
for grid cells within each of the 3 dominant rock types from the facies 
model generated based on a variogram analysis of 3D seismic 
P-Impedance. In comparison, Onishi et al. (2019) used homogeneous 
matrix property models. On the fracture modeling, we employ a detailed 
DFN model upscaled into fracture porosity and permeability whereas 
Onishi et al. (2019) implemented a variogram sensitivity analysis to 
generate realizations of fracture permeability and a correlation to derive 
fracture porosity from permeability. The DFN model used in this study 
was built by Zaluski (2018) and incorporated the following seismic at-
tributes: Density, S-Impedance, P-Impedance, Ant Tracking, Variance, 
Chaos, Gradient, Frequency, Curvature, Sweetness, 3D Edge Enhance-
ment, and Brittleness Index. Older studies investigated CO2 injection 
using sensitivity analysis based on analog reservoir property data 
(Stauffer et al., 2013; Zhou, 2013; Dai et al., 2014). We also calibrate the 
near-wellbore permeability to the BHP response data from brine injec-
tion tests. Our results suggest that the Big Sky project has a lower 
probability of successfully injecting 1.0 MT of CO2 into the Middle 
Duperow formation over 4 years compared to previous studies at this 

Fig. 10. MEASURED BHP VERSUS SIMULATED BHP.  

Fig. 11. CO2 INJECTION PERFORMANCE PREDICTION GIVEN THE NEAR 
WELLBORE DAMAGE (SOLID LINES) COMPARED TO Onishi et al., 2019 
(DASHED LINES). 
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Kevin Dome site. 

4.3. Geochemical calculation 

Since baseline water chemistry samples were not collected at Wal-
lewein 22-1 before acid treatment we carry out a sensitivity analysis 
using water chemistry data from this well (after brine injection tests) as 
well as from two analogous wells in the nearby Madison Limestone 
Formation. These data exhibit a range of pH values (Table 6). All three 
water samples are evaluated for saturation of potential pore-clogging 
minerals (Table 7): calcite, dolomite, gypsum, anhydrite, halite. The 
lower pH of the Amoco Chevron Gulf well as well as lower concentra-
tions of major elements leads to no precipitation of minerals (Table 7). 
Snow Hollow, which has both higher pH and elemental concentrations, 
is saturated in calcite and anhydrite. The Snow Hollow well has 
elemental concentrations closer to Wallewein 22-1 but a pH two log 
units higher, which would significantly affect the solubility of the 
minerals that are being tested. However, the sensitivity analysis of the 
two wells shows the strong effect pH can have on mineral solubility. 
Taking into consideration that the aquifer pH may be lower than that 
measured in the lab due to CO2 off gassing from samples being outside of 
holding time, calcite may not be precipitating at depth. After calculating 
the saturation indices for a number of clogging minerals, calcite is the 
only saturated phase. Therefore if chemical clogging were to occur, 
calcite would be the most likely candidate. Dolomite is not included 
because the kinetics of dolomite formation are slow and would not be 
applicable to the time scales being examined here (Morrow, 1982; 
Arvidson and MacKenzie, 1997). Duperow outcrops at the Montana 
Disturbed Belt also suggest possible dissolution and precipitation of 
secondary minerals (Bowen et al., 2012). 

However, without adequate pre-injection water chemistry data and 
only one analysis for post-injection water chemistry, the aforementioned 
geochemical interpretation regarding potential mineral precipitation 
cannot be fully proven. We recommend that future GCS projects collect 
baseline water samples to determine in-situ pH of the formation water at 
depth and conduct a geochemical analysis to assess the impact of acid 
treatment prior to acid injection. These steps will help track the change 
in true pH and to assess potential mineral precipitations or other com-
plications resulting from well stimulation, as documented in the petro-
leum industry (Hendrickson et al., 1992; Thomas and Nasr-El-Din, 
2003). 

4.4. Discussion 

This research conducts both a well test analysis and numerical sim-
ulations to test the hypothesis that there has been formation damage due 
to acid treatment and during the BSCSP brine injection tests. Our results 
suggest two possible scenarios that could lead to a positive total effective 
skin factor and permeability decline (subsequently injectivity decline): 
partial penetration and formation damage. 

Skin effect due to partial penetration has long been studied although 

a common consensus is not always reached (Bilhartz and Ramey, 1977; 
Saidikowski, 1979; Odeh, 1980). Comparing the two scenarios of full 
and partial penetration, what we find is our average permeability from 
pre-injection core measurements (~ 5 mD) is closer to the partial 
penetration scenario (3.95 mD) and the effect of partial penetration 
prevails over an assumed negative total skin (-2) in Section 4.1.1. 
However, this negative total skin factor does not explain the perme-
ability decline over time (from BHP history) since the core permeability 
was before injection and interpreted effective permeability was during 
the stabilized period. We address this issue of changing near wellbore 
permeability with our reservoir simulations results in Section 4.1.3. Our 
analytical well test models show that in the event of a negative skin 
effect from acid treatment, the partial penetration effect would prevail 
over and result in a positive total skin effect (Section 4.1.1.). It is also 
worth noting that the effect of partial penetration would intensify skin 
due to formation damage if any. To address this hurdle, the most obvious 
solution is to perforate a larger interval or have an open hole setup to 
maximize injectivity. In our specific study, numerical simulation with 
full penetration injection suggests that due to a lower fracture perme-
ability range, this solution would not help achieve the original objective 
of the Big Sky project (Section 4.2). Nonetheless, it will likely eliminate 
the partial penetration effect for other GCS operations and minimize 
injectivity decline documented in injection wells (Shutong and Sharma, 
1997; Hofsaess and Kleintz, 1998), given that well completion is one of 
the most fundamental considerations in the field development plan. 

Formation damage from well stimulation has been documented in 
the petroleum industry (Barkman and Davidson, 1972; Bryant and 
Buller, 1990; Civan, 2015). There are two main chemical and physical 
processes that can potentially explain this near wellbore damage: min-
eral precipitation and fines migration. One possible explanation is that 
salt precipitation occurred during acid treatment where dolomite reacts 
with HCl. However, such salt precipitation would require high levels of 
kinetic energy in a short period of time (Morrow, 1982; Arvidson and 
MacKenzie, 1997). Meanwhile, dolomite can still dissolve in HCl from 
acid stimulation, potentially dislodging anhydrite blobs. This is consis-
tent with another carbonate reservoir geochemical study at the Cranfield 
CO2 sequestration site (Lu et al., 2012). 

In our work, geochemical analysis is performed on two pre-brine- 
injection and one post-brine-injection water samples at Wallewein 22- 
1. The results suggest that calcite may be a likely candidate for chemi-
cal clogging. Core samples were collected and their lab analysis (Fig. 3) 
supports this finding since there was evidence of calcite filled fracture 
even before acid treatment and injection tests. Unfortunately, the pre- 
injection water samples collected were after acid treatment at Walle-
wein 22-1 and did not represent the formation water condition before 
acid treatment. This does not allow us to verify if other minerals would 
precipitate out during the acid treatment. Most studies on GCS 
geochemical clogging in the literature point to mineral precipitation 
during CO2 injection and not during well stimulation or injection tests 
carried out to characterize formation permeability prior to CO2 injec-
tion. This is an opportunity to develop a prevention strategy for future 
GCS projects to avoid pre-injection formation damage and a geochem-
ical study would be beneficial to accomplish such goals. 

Another hypothesis is that many small blobs of anhydrite (Fig. 3) 

Table 6 
CONCENTRATIONS OF MAJOR ELEMENTS. *HCO3 WAS NOT MEASURED, 
INSTEAD TOTAL ALKALINITY AS CACO3 WAS USED FOR CALCULATIONS, 
15.59 MMOL/L.  

Sample Wallewein 22-1 
(mmol/l) 

Amoco Chevron Gulf 
(mmol/l) 

Snow Hollow #1 
(mmol/l) 

Ca 18.9 4.315 14.75 
Mg 10.74 0.7471 2.44 
Na 52.63 113.7 149.6 
K 2.66 6.094 2.469 
HCO3 * 3.228 5.829 
SO4 31.02 0.5881 37.74 
Cl 14.41 122.2 105 
pH 6.3 6.0 8.2  

Table 7 
SATURATION INDICES FOR SELECT CLOGGING MINERALS IN LOG (Q/K). A 
LOG(Q/K) < 0 INDICATES A MINERAL WILL TEND TO DISSOLVE, A LOG (Q/K) 
> 0 INDICATES A MINERAL WILL TEND TO PRECIPITATE.  

Sample Wallewein 22-1 Amoco Chevron Gulf Snow Hollow #1 

Calcite 0.5311 − 0.6134 2.251 
Dolomite 1.82 − 0.6282 5.043 
Gypsum − 0.1377 − 1.959 − 0.1266 
Anhydrite − 0.3154 − 1.413 0.2609 
Halite − 5.001 − 3.691 − 3.725  
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may have been broken into smaller pieces during high pressure brine 
injection and carried into the fracture/matrix system. It is possible that 
anhydrite can be reached by brine injection as dolomite is dissolved in 
HCl during well stimulation. This is consistent with the dislocation 
knowledge of anhydrite in the literature (Dell’Angelo and Olgaard, 
1995; Pudlo et al., 2015). Fines migration can be damaging to large 
matrix pores with small throats (Civan, 2015). More precaution should 
be in place for fluid injection in GCS projects including Big Sky to avoid 
fracturing the rock formation and making it vulnerable to fines migra-
tion. In this study, fines migration can be attributed to chemical pro-
cesses due to the dislocation of anhydrite from dolomite dissolution. Our 
recommendations mainly focus on addressing the possible chemical 
processes resulting from acid treatment because of access to geochem-
ical data from both the injection formation and neighboring Madison 
Limestone formation. We also investigate several other possible expla-
nations of the pressure behavior, including water blocking (Bahrami 
et al., 2012; Assiri and Miskimins, 2014; Haddad et al., 2015), gouge 
production (Sammis et al., 1987; Marone and Scholz, 1989; Rutqvist and 
Stephansson, 2003), and perforation plugging (Civan, 2015) and find 
that these are unlikely to have occured and/or difficult to properly verify 
given the currently available data. 

Therefore, we suggest that future GCS projects (1) include a 
geochemical study using baseline water chemistry prior to acid treat-
ment to predict potential precipitation or (2) consider alternative 
stimulation fluids to HCl. For example, Liu et al. (1997) developed a 
2-dimensional geochemical simulator that could model matrix acidizing 
in carbonate reservoirs including formation damage due to precipitation 
of byproducts from the reactions of acids with rock minerals. They found 
that higher acid injection velocity and higher acid concentration tend to 
lower mineral precipitation and formation damage. This may work with 
HCl applied to carbonate formations since its reactions with carbonate 
minerals are relatively fast and take place within a short distance from 
the wellbore (Civan, 2015). In addition, a stimulation fluid alternative to 
HCl is Ethylenediaminetetraacetic acid (EDTA) which is a chelating 
agent that stimulates by means of sequestering the metal components of 
the carbonate matrix (Fredd and Fogler, 1996). It allows for deeper 
stimulation and well corrosion reduction (Rae and di Lullo, 2003; Buijse 
et al., 2003). EDTA has also been successfully used for the removal of 
calcium carbonate scale in a number of real-world applications (Fredd 
and Fogler, 1996). Since the desired outcome of matrix acidizing in 
carbonate reservoirs is to form wormhole channels (Civan, 2015), the 
use of an alternative stimulation fluid such as EDTA would include both 
the ability to enhance permeability at low injection rates and fluid 
properties that are not conducive to asphaltic sludge precipitation or 
corrosion problems. 

On the remediation side, we would consider injecting a basic solvent 
such as NaOH or KOH to neutralize the acidic formation water (from 
post-injection water sampling) and dissolve potential calcite precipita-
tion and existing anhydrite. Some work in the literature suggests the use 
of acidic solvents (Xiong and Holditch, 1995; Civan, 2015) to reduce 
formation damage. However, this is more appropriate for rock forma-
tions that have in-situ calcite or anhydrite and tends to require signifi-
cant amounts of acid to dissolve. Introducing such quantities of acid into 
the system may drive the pH down further and make it susceptible to 
more chemical reactions later. When we have free or dislodged calcite 
and anhydrite, NaOH or KOH will likely chemically stabilize the system 
and prevent further reactions while dissolving CaCO3 into its solution. 
NaOH, known as caustic soda, has been used in most water-based dril-
ling fluids in the petroleum industry to maintain pH and alkalinity 
(Slingerland, 1987; Elkatatny et al., 2012). This is especially important 
for the BSCSP project since our simulation results predict that without 
additional stimulation, BSCSP will have a lower probability of meeting 
its goal in injecting 1.0 MT into the Middle Duperow formation over 4 
years compared to previous studies conducted at the site (Dai et al., 
2014; Onishi et al., 2019). High injectivity is required to meet the in-
jection target and may increase the cost of the BSCSP project through 

formation damage remediation measures and/or CO2 treatment to 
remove impurities (Vidas et al., 2012). In water disposal wells, very 
high-quality water can help maintain high levels of injectivity and the 
cost of water treatment can vary widely depending on the purity 
requirement. Similarly, the cost of CO2 treatment and well workovers 
can play a key role in the decision-making process of the Kevin Dome 
project and a comprehensive cost analysis may be necessary. 

5. Conclusions and future work 

In this study, we present an integrated analysis using analytical and 
numerical models and geochemical study at the Kevin Dome BSCSP 
project site to explain the pressure response during several brine injec-
tion well tests. We explore a hypothesis that geochemical processes due 
to acid treatment and brine injection may have caused formation dam-
age prior to CO2 injection. Based on our hypothesized formation dam-
age, we further use the reservoir model, with formation damage 
incorporated, to predict hypothetical CO2 injection performance. Our 
findings are summarized in the following:  

- There are two possible scenarios that could lead to a positive total 
effective skin factor and near wellbore permeability decline: partial 
penetration and formation damage.  

- Analytical models indicate a positive total skin factor, contradicting 
results of a previous study suggesting that the well was mildly 
stimulated.  

- Partial penetration can be addressed by having open hole injection to 
minimize injectivity decline  

- On the formation damage side based on our integrated analysis, high 
pressure brine injection may have mechanically clogged the frac-
ture/matrix systems through anhydrite fines migration.  

- Our geochemical study suggests that calcite precipitation may have 
occurred during pre-injection acid treatment, potentially causing 
formation damage.  

- Since acid treatment took place well in advance of brine injection 
tests, calcite precipitation and anhydrite dislodging are more likely 
to cause formation damage than high pressure injection.  

- To address potential formation damage, we suggest that future GCS 
projects conduct a comprehensive geochemical study using baseline 
water chemistry samples before acid treatment to predict potential 
precipitation.  

- Another prevention measure is to consider an alternative stimulation 
fluid such as EDTA.  

- More precaution should be in place for fluid injection in GCS projects 
including BSCSP to avoid fracturing the rock formation and making 
it vulnerable to fines migration. 

- A possible remediation plan for BSCSP is to inject a more basic sol-
vent like NaOH or KOH into the formation to neutralize the acidic 
formation water and dissolve any possible calcite precipitation.  

- Our work also predicts that the project will have a lower probability 
of successfully injecting 1.0 MT of CO2 into the Middle Duperow 
formation over 4 years compared to previous studies at the Kevin 
Dome site which relied on regional analog parameters. 

Future work will incorporate more detailed reactive transport 
modeling with reactive mineral volume fractions, reactive surface areas, 
reactive rate constants and formation fluid geochemistry for remedia-
tion plans at BSCSP. This approach will benefit well stimulation plan-
ning in the future. Moreover, commercial scale deployment of CO2 
sequestration at the Kevin Dome site will need to address the formation 
damage through additional workover not only in the well test interval 
but any other perforation intervals along the wellbore as suggested by 
the performance forecast of this study. Finally, a comprehensive cost 
analysis of remediation measures and/or CO2 treatment to remove im-
purities may be necessary in the decision-making process of the Kevin 
Dome project. 
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